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a b s t r a c t

CO2 injection in shale oil reservoirs has emerged as a promising technique for simultaneously achieving
CO2 geological storage and enhancing shale oil recovery. This study investigates the potential of CO2

injection into shale oil reservoirs with natural fractures for carbon storage and enhanced oil recovery
through a combination of experimental and numerical simulations. It focuses on the synergistic effects
on carbon storage capacity and oil recovery efficiency. A series of CO2 injection experiments using online
NMR T2 and stratified T2 technology were conducted to validate the feasibility of carbon storage and oil
recovery in shale oil reservoirs. The shale samples consist of three distinct pore space systems: kerogen,
inorganic matrix, and shale bedding fractures. A coupled multiscale-multiphase simulation model was
developed to facilitate a comprehensive analysis of the underlying mechanisms. In the model, kerogen,
inorganic matrix, and shale bedding fractures are defined as triple-continuum media. The model in-
tegrates the mechanisms of molecular diffusion, adsorption, and viscous flow to accurately represent the
mass transport processes during CO2 injection in shale oil reservoirs. Within this framework, a series of
mass transport partial differential equations were derived to describe the CO2 injection process. The
finite element method was used to numerically solve these equations, and the proposed model was
validated against experimental results. Sensitivity analyses yielded the following results: (1) The shale
bedding fractures are not only key reservoir spaces for shale oil but also the key mass transfer channels
for shale oil and CO2 during CO2 injection. Increasing the permeability of the shale bedding fractures can
significantly improve oil recovery efficiency and CO2 adsorption amount. (2) The kerogen content and
organic porosity have a significant impact on CO2 adsorption amount and shale oil recovery factor,
respectively. (3) High production pressure is essential for maximizing carbon storage capacity. Simul-
taneously, increasing injection pressure can effectively enhance carbon storage and shale oil recovery.
© 2025 The Authors. Publishing services by Elsevier B.V. on behalf of KeAi Communications Co. Ltd. This
is an open access article under the CC BY-NC-ND license (http://creativecommons.org/licenses/by-nc-nd/

4.0/).
1. Introduction

According to the Intergovernmental Panel on Climate Change
(IPCC), CO2 can be safely stored in oil and gas reservoirs, deep saline
formations, basalt, unmineable coal beds, and shale oil and gas
u), zhejun.pan@nepu.edu.cn
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reservoirs (Jin et al., 2017). The low permeability of shales effec-
tively seals to prevent CO2 leakage to the upper formation, and the
abundance of nanoscale organic and inorganic pores, characterized
by a high specific surface area, offers adequate sites for CO2
adsorption (Lashgari et al., 2019; Wang et al., 2023). During the
interaction with shale, the CO2 can also significantly enhance shale
oil recovery, improving the economic feasibility. CO2 injection into
shale oil reservoirs has emerged as a promising technology for
carbon geological storage and enhanced shale oil recovery (Wang
et al., 2025). Therefore, a comprehensive study for the factors
impacting adsorption capacity and oil recovery potential is critical
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for optimizing CO2 injection for carbon storage and enhanced shale
oil recovery.

Physical adsorption is the primary mechanism for carbon stor-
age in shale oil reservoirs (Hazra et al., 2022; Jia et al., 2022). Many
factors affect the CO2 adsorption capacity. The gas adsorption
process is exothermic. Consequently, an increase in temperature
reduces the CO2 adsorption capacity, and increasing pressure en-
hances CO2 adsorption at a constant temperature (Bouzgarrou
et al., 2015; Xie et al., 2021). The CO2 adsorption capacity is posi-
tively correlated with the concentrations of organic matter and
inorganic minerals, such as smectite, calcite, and illite (Aljamaan
et al., 2017; Fakher and Imqam, 2019). The connected fracture
network enhances the contact area with CO2, mitigating the effects
of heterogeneity and consequently increasing the carbon storage
capacity (Wang et al., 2023; Martyushev et al., 2024). In addition, a
previous study has confirmed the self-diffusion process of CO2 in
shale oil reservoirs using dynamic tracking technology (Fernø et al.,
2015). The relative contribution of CO2 molecular diffusion plays a
vital role in low-permeability shale reservoirs, which have a sig-
nificant effect on CO2 storage (Jia et al., 2019; Du and Nojabaei,
2020). Although these properties have been studied, few studies
have attempted to link these properties to oil recovery in shale oil
reservoirs to study the synergistic factors of carbon storage and
enhanced shale oil recovery.

Shale oil reservoirs consist of organic matter (porous kerogen),
inorganic matrix, and natural fractures (Yan et al., 2016). The pro-
portion of shale oil stored in kerogen ranges from approximately 6%
to 55%, with 50%e90% of this oil in an adsorbed state due to the
surface properties of kerogen (Sang, 2018; Zhao et al., 2021).
Kerogen exhibits a strong affinity for CO2 due to the presence of
benzene rings in its molecular structure and oxygen-containing
functional groups on the graphene surface (Liu and Wilcox, 2012).
CO2 injection into shale oil reservoirs induces competitive
adsorption between CO2 and oil, driven by the interactions with
kerogen (Mohammed and Gadikota, 2019; Guo et al., 2024).
Experimental results on the adsorption and dissolution behavior of
CO2 and n-alkane mixtures in shale showed that when the injected
molar fraction of CO2 reached a threshold, CO2 could adsorb
competitively and displace n-alkanes from kerogen. The capacity of
CO2 to displace adsorbed n-alkanes diminishes as the chain length
of the n-alkanes and the temperature increase (Zhu et al., 2019).
Molecular dynamics simulations of competitive adsorption be-
tween CO2 and hydrocarbons in shale revealed that supercritical
CO2 (SC-CO2) couldmobilize adsorbed n-dodecane on the surface of
silica pores. However, the distinct nano-scale surface properties of
organic matter and inorganic minerals lead to a stronger adsorption
affinity of CO2 for kerogen than for inorganic minerals (Tian et al.,
2019). The hydrocarbons mainly exist in the free state in inor-
ganic pores with larger size (Zhang et al., 2015).

Among various inorganic clay minerals, the sequence of CO2
adsorption at low pressure is calcite > illite > smectite, while at
high pressure, the order shifts to smectite > calcite > illite (Tian
et al., 2022). Therefore, significant differences exist between the
occurrence states of shale oil and CO2 adsorption capacity in the
kerogen and inorganic matrix systems. It is essential to distinguish
between these two systems. To date, the significant role of the
kerogen system has received little attention in research of carbon
storage and enhanced oil recovery in organic-rich shale oil
reservoirs.

In this study, a series of experiments and numerical simulations
were conducted to investigate the complex coupled mechanisms of
carbon storage and enhanced oil recovery in multi-scale pore net-
works of shale oil reservoirs. Using NMR technology, the 1D T2 and
stratified T2 techniques were applied to investigate the dynamic oil
distribution and the CO2 sweep distance during the CO2 injection
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experiments, verifying the feasibility of carbon storage and
enhanced oil recovery in shale oil reservoirs. To study the funda-
mental mechanisms, a multiscale-multiphase numerical model
was proposed. The model was characterized as triple-porosity,
triple-permeability media, encompassing organic kerogen, inor-
ganic matrix, and shale bedding fractures. The numerical model
comprehensively incorporated the mechanisms of molecular
diffusion, adsorption, and viscous flow of CO2 and oil in different
occurrence states, indicating the mass transport processes of car-
bon storage and oil recovery. The finite element method was used
for numerical solutions, and the simulation results were compared
with experimental data to validate the numerical model. Sensitivity
analyses were performed to investigate and discuss the synergistic
effects of mass transfer during CO2 injection for carbon storage and
enhanced shale oil recovery. Compared with the previous works,
the primary breakthroughs of this study are (1) a quantitative
method for characterizing dynamic oil saturation and CO2 sweep
distance in multi-scale pores of shale oil reservoirs is developed
through integrating online NMR T2 technology and stratified T2
technology; (2) a triple-continuum model is established based on
different pore systems, the pore-scale fluid transport mechanisms
are deeply analyzed; (3) a coupled multiscale-multiphase model
are proposed to investigate the synergistic mechanisms of CO2

storage and enhanced oil recovery in shale oil reservoirs.

2. Experimental methods

2.1. Materials

The shale samples were collected from the Qingshankou For-
mation in the Songliao Basin, China (Fig. 1). Each sample was cut
parallel to the bedding surface into cylindrical cores. The physical
and geochemical characteristics of the samples are listed in Table 1,
including porosity, natural fracture permeability, and total organic
carbon (TOC). As the total effective pore volumes of both organic
and inorganic pores are accessible to non-adsorptive helium (He),
which can penetrate evenmicropores. Therefore the porosity of the
samples was measured using the gas expansion method with He
(Cao et al., 2019). Natural fracture permeability wasmeasured using
the pulse decay method with He (Pan et al., 2010). The mineral
compositions of the shale samples were determined through X-ray
diffraction (XRD) analysis using a D8AA25 X-ray diffractometer
(BRUKER, Germany), as shown in Table 2. The dominant minerals
are clay minerals, quartz, plagioclase, and pyrite, with the clay
mineral types primarily comprising illite/smectite interlayers, fol-
lowed by illite. The density and viscosity of the light oil used in this
study is 0.821 g/cm3 and 1.05� 10�2 Pa$s at 25 �C, respectively. The
concentration of CO2 used in this study is 99.99%.

2.2. NMR measurements

The NMR equipment used in this study was a MacroMR12-
150H-I analyzer (Guangzhou Marine Geological Survey, China).
The equipment was operated at a frequency of 12 MHz, with the
magnet temperature maintained at 32±0.02 �C.

2.2.1. 1D T2 spectrum measurement
According to the NMR phenomenon, three primary relaxation

mechanisms occur in gradient magnetic fields: bulk relaxation (Tb),
surface relaxation (Ts), and diffuse relaxation (Td), as described in
Eq. (1). In natural porous rocks, T2 relaxation for most liquids is
primarily governed by surface relaxation, and the relationship be-
tween T2 and pore size is expressed in Eq. (2) (Kleinberg and
Horsfield, 1990).



Fig. 1. Geological background of shale samples (Tian et al., 2024).

Table 1
Physical and geochemical characteristics of the shale samples.

Sample Diameter, mm Height, mm Depth, m Porosity, % Natural fracture permeability, 10�3 mD TOC, wt%

Shale 1 2.54 5.05 2491.00 8.10 5.260 2.3625
Shale 2 2.50 5.12 2459.50 7.92 0.793 2.4375
Shale 3 2.49 5.01 2449.54 8.04 3.260 2.2500

Table 2
Mineral composition of the shale samples.

Sample Mineral composition, wt%

Illite/smectite interlayer Illite Quartz Plagioclase Calcite Dolomite Pyrite Anhydrite

Shale 1 37.14 5.06 12.20 12.70 0 0 0.70 0
Shale 2 53.50 3.21 13.10 21.20 0.30 0.50 2.50 0.90
Shale 3 45.35 6.35 13.90 20.30 1.70 0 1.40 0.40
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where T2b is the longitudinal bulk relaxation time, s; T2s is the
longitudinal surface relaxation time, s; T2d is the diffuse relaxation,
s; r2 is the longitudinal surface relaxivity, m/s; S and V are the pore
surface area and volume, m2/g andm3/g, respectively; Fs is the pore
morphology factors, which is 1 and 2 and 3 for planar, cylinder, and
spherical pores respectively; r is the pore radius.

The quantitative oil recovery factor based on NMR can be
calculated by Eq. (3).
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ER ¼
Soi � Sof

Soi
¼

ðTr1
Tr2

�
Ai � Af

�
dT

ðTr1
Tr2

AidT

� 100% (3)

where ER is the oil recovery factor; Soi is the oil saturation of core
before oil displacement; Sof is the oil saturation of core after oil
displacement; Tr1 and Tr2 are the T2 values of the pore with radius of
r1 and r2, respectively, ms; Ai and Af are the NMR signal areas
before and after gas injection, respectively.

The 1D T2 spectra were obtained using the CPMG sequence. The
NMR T2 spectrum is utilized to characterize the coupled informa-
tion of oil recovery factor and pore size distribution (Yao et al.,



Table 3
Parameters of CMPG and SFG-MSCPMG sequence in this study.

Sequence Frequency,
MHz

Frequency offset,
Hz

90� pulse length,
ms

180� pulse length,
ms

Waiting time,
ms

Number of superimposed
signals

Echo time,
ms

Number of
echoes

CPMG 12 411068.91 21 35.04 3000 32 8000 0.12
SFG-

MSCPMG
12 411068.91 21 35.04 5000 32 5000 0.12
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2010; Li et al., 2017; Ge et al., 2021). The parameters of the CMPG
sequence were listed in Table 3.

2.2.2. Stratified T2 measurement
The stratified T2 technique can be used to characterize the

spatial resolution of the T2 distribution and to monitor CO2 sweep
distance (Luo et al., 2022; Q. Liu et al., 2023). Due to it is not con-
strained by gradient encoding, the SFG-MSCPMG sequence enables
the measurement of a greater number of short relaxation signals,
making it suitable for accurately measuring shale samples with
short relaxation times and low signal intensity. In this study, the
core sample was uniformly segmented into five layers along the
axial direction, each with a thickness of 1±0.05 cm, as shown in
Fig. 2. The parameter settings for the SFG-MSCPMG sequence are
listed in Table 3.

2.3. SEM and N2 adsorption measurements

Argon ion milling combined with field emission scanning elec-
tron microscopy (FE-SEM) can be employed to observe the pore
types, sizes, and numbers of micropores and microfractures in the
shale samples (Gou et al., 2019). SEM images are acquired using the
Zeiss-Merlin compact systemwith an accelerating voltage of 2 kV. A
maximum pixel resolution of approximately 4 nm can be achieved
at an acceleration voltage of 10 kV (Cao et al., 2019). Organic pores,
inorganic pores, and micro-fractures in the shale samples are
identified based on SEM images (Zhao et al., 2022).

The pore structures of micropores and mesopores in the shale
samples are characterized by the low-temperature N2 isothermal
adsorption method (Cao et al., 2019). Low-pressure N2 adsorption
and desorption measurements are conducted at 77 K. The specific
surface area is calculated using the BET model. The pore volume
and PSD of the shale samples are determined using the BJH model.
The measurable pore size range is 1.2e100 nm (Gao et al., 2023).

2.4. Experimental apparatus and procedures

The CO2 injection apparatus used in this study, based on an
online NMR technique, consisted of five modules: a fluid injection
module, a high-temperature and high-pressure circulation module,
a core holder module, a NMR measurement module, and a fluid
production module, as illustrated in Fig. 3. The fluid injection
Fig. 2. The schematic diagram of the
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module included a CO2 tank, a constant-pressure pump with flow
control, a flowmeter, and a heater for pressure regulation. The high-
temperature and high-pressure circulation module was used to
apply confining pressure and control temperature. The maximum
confining pressure and temperature achievable were 40 MPa and
100 �C, respectively. The core holder was used to load cores, isolate
the confining fluid, and introduce the displacement media. The
NMR measurement module utilized a MacroMR12-150H-1
analyzer (Guangzhou Marine Geological Survey, China). The fluid
production module comprised backpressure devices and gas flow
measurement instruments.

All shale samples were prepared and tested using the same
procedure to ensure consistent comparison of results. The experi-
mental procedure for CO2 injection experiments is shown as
follows:

Preparation process: (a) Clean the as-received cores of any
residual saline water and oil. (b) Dry the samples under 120 �C until
a constant weight is achieved.

Saturation process: (a) Immerse the shale core in the saturation
vessel. (b) Apply vacuum (�0.1 MPa) followed by high pressure
(30MPa) for oil saturation until theweight and 1D T2 distribution of
the samples remain constant.

CO2 injection process: (a) For gaseous CO2 injection, CO2 was
sequentially injected into the core at constant pressures of 1, 3, and
5 MPa, with the back pressure at the outlet set to atmospheric
pressure. (b) For the SC-CO2 injection, SC-CO2 was sequentially
injected into the core at constant pressures of 9, 11, and 13 MPa,
with the back pressure set to 8 MPa.

During both gaseous CO2 and SC-CO2 injection stages, the
confining pressure was consistently maintained 3 MPa higher than
the injection pressure. Each pressure stage of the experiment was
terminated when gas breakthrough occurred at the outlet.
Following each repetition of the saturation operation, the subse-
quent injection pressure experiment was conducted until all
designated pressures were tested. The experimental temperature
was maintained at a constant 35 �C.
3. Experimental results

3.1. Full-scale pore structure characteristics

SEM, low-pressure N2 adsorption, and NMR methods were
stratified T2 measuring process.



Fig. 3. The diagram of CO2 injection apparatus based on an online NMR technique.
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comprehensively applied to characterize the multi-scale pore
structures of the shale samples (Fu et al., 2023; Zhao et al., 2024).

SEM images of the shale samples showed the development of
various types of pore space, including inorganic pores, organic
pores, and shale bedding fractures (Fig. 4). The pore sizes of both
inorganic and organic pores ranged from several nanometers to
several hundred nanometers. Inorganic pore types included inter-
particle (interP) and intraparticle (intraP) pores, with inter-
particle (interP) pores being the main type. Organic pores were
primarily developed in kerogen, predominantly exhibiting sub-
Fig. 4. Pore types in the shale samples observed by SEM images. (a) and (b) are view fi
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circular shapes. Additionally, SEM images showed that numerous
bedding fractures, ranging from 1 to 10 mm in width, were densely
distributed in the shale samples (Fig. 4(c) and (d)).

The PSD curves from N2 adsorption were calculated using the
BJH model (Hu et al., 2015). The cumulative surface areas of the
shale 1, shale 2, and shale 3 were measured as 14.582, 13.393, and
13.637 m2/g, respectively. The pore volumes were 0.0252, 0.0269,
and 0.0258 cm3/g, respectively. The average pore diameters were
6.905, 8.046, and 7.560 nm, respectively, indicating that the shale
samples primarily consist of micropores. The N2 adsorption PSD
elds of the shale matrix; (c) and (d) are view fields of the shale bedding fractures.



Fig. 5. Pore size distribution results of N2 adsorption (a) and NMR T2 spectrum (b).

Fig. 6. The cumulative recovery factors for three samples under different injection
pressures.
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curves showed bimodal peaks, as illustrated in Fig. 5(a). As the N2
adsorption method is effective only for measuring pores smaller
than 100 nm, it is unable to capture the mm-scale shale bedding
fractures observed in SEM images.

1D NMR T2 spectrum is an effective technique for characterizing
the full-scale PSD of shale. To mitigate the influence of kerogen and
clay-bound water signals, the T2 signal of the dried sample was
subtracted from the T2 spectrum of the fully saturated fluid sample,
providing the foundation for PSD analysis (Yao et al., 2010; Fu et al.,
2024). The NMR T2 distributions of the shale samples exhibited
displayed three distinct peaks, indicating the multi-scale pore
structure. The two left peaks of the T2 spectrum were consistent
with the bimodal distribution of nanopores observed in N2
adsorption measurements. Due to the positive correlation between
T2 relaxation times and pore diameters, the right peak of the T2
spectrum represented pore spaces corresponding to the
micrometer-scale bedding fractures identified by SEM analysis, as
illustrated in Fig. 5(b).

3.2. Oil distribution in multi-scale pore system during CO2 injection

The cumulative recovery factors for the three samples were
determined using the NMR T2 map (Fig. 6). The results demon-
strated that, under the same injection pressure, the cumulative
recovery factors for SC-CO2 injection were higher than those of
gaseous CO2 injection. Under the same pressure, the cumulative oil
recovery factor of the different samples was positively correlated
with the bedding fracture permeability, indicating that the shale
bedding fractures are the main channels for CO2 and oil transport.

The stratified T2 technique enhances spatial resolution, enabling
more detailed characterization of oil distribution dynamics in
multi-pore systemswithin the CO2 sweep distance (Luo et al., 2022;
Lv et al., 2024). The variations in NMR T2 distributions across
different spatial layers of shale 1 reflected the strong heterogeneity.
These results indicated that within the sweep area, SC-CO2 effec-
tively diffused into the matrix during injection, displacing oil into
the bedding fractures, as shown in Fig. 7. The higher injection
pressure during SC-CO2 injection expanded the CO2 sweep area
within the shale matrix, leading to a higher oil recovery factor,
contributing to the higher cumulative recovery factor observed for
SC-CO2 compared to gaseous CO2.

Although experimental results provided pore-scale insight into
oil distribution in the shale matrix and bedding fractures during
CO2 injection, the volume of CO2 that diffusing into the matrix and
the amount of CO2 adsorbed in multiple pore systems under
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varying oil saturation were difficult to determine experimentally.
To address this issue, a multi-scale and multi-phase numerical
model was developed to better understand the mass transfer
mechanisms, incorporating molecular diffusion, adsorption, and
viscous flow effects of oil and CO2 phases in shale oil reservoirs.
4. Methodology

4.1. Physical model

A fully coupled multi-scale and multi-phase model was devel-
oped to account for the complex mechanisms involved in CO2 in-
jection in shale oil reservoirs. The kerogen system, inorganic matrix
system, and shale bedding fracture system were defined as triple-
porosity and triple-permeability media, as depicted in Fig. 8.

As demonstrated in Section 3.2, the shale bedding fractures are
the main channels for CO2 and oil transfer (Y. Liu et al., 2023). The
shale bedding fractures exhibit higher porosity and permeability, in
which oil and CO2 flowmainly follow continuous flow governed by
Darcy's law (Martyushev et al., 2023; Zhao et al., 2023).

The shale matrix consists of inorganic matrix and organic
kerogen system (Sun et al., 2022). The mineral composition of the



Fig. 7. The spatial T2 curves of shale 1 under different injection pressures. Notes: T2 distribution curves in (b)e(f) from far to near the reader are at the CO2 injection pressure of 1, 3,
5, 9, 11, and 13 MPa, in sequence.

Fig. 8. Conceptual triple-continuum model for shale oil reservoir.
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inorganic matrix primarily includes clay minerals, quartz, and
feldspar. Oil within the inorganic pore space is typically present in a
free state (Xu et al., 2024). CO2 penetrates the inorganic matrix
system through diffusion and flow, displacing oil from the pores
and adsorbing onto the mineral surfaces, thereby contributing to
carbon storage. In the kerogen system, owing to its lipophilicity, oil
exists in both free and adsorbed states (Falk et al., 2015; Zhao et al.,
2021; Zhao and Zhou, 2024). CO2 infiltration into kerogen can
disrupt the equilibrium between adsorbed and free oil, leading to
the desorption of oil from the kerogen surface (Sang, 2018). The
strong affinity of kerogen for CO2 facilitates the physical adsorption
of CO2 within the kerogen system (Zhu et al., 2018b; Sui et al.,
2023). The organic pores in kerogen form an interconnected pore
network through particle contact, enabling oil to flow from the
kerogen into the inorganic matrix.

4.2. Mathematical model and solution

4.2.1. Assumptions
The following are the assumptions for the proposed model:
2068
(1) The organic kerogen, inorganic pores, and shale bedding
fractures are considered as uniformly distributed continuum.

(2) The thickness of the adsorption phase is assumed negligible.
(3) Shale bedding fractures are simplified as horizontal fracture

media.

The shale bedding fractures, organic pores, and inorganic pores
within the unfractured shales are dispersed, as indicated by SEM
images (Fig. 4). Nanometer to micrometer fractures are the con-
nected pathways between the shale matrix and the shale bedding
fractures. Therefore, in Assumption 1, the multi-scale porous space
is modeled as a uniformly distributed continuum.

Assumption 2 is widely accepted in adsorption theory due to the
thickness of the adsorption phase is generally much smaller than
the pore diameter (Javadpour et al., 2007; Yang et al., 2016; Zhu
et al., 2018b).

Shale samples are cut along the horizontal bedding direction,
with CO2 injection aligned to the bedding fracture direction.
Therefore, the bedding fracture system is simplified as horizontally
oriented in Assumption 3.
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4.2.2. Mass transfer model for kerogen
The mass transfer mechanisms in the numerical model include

molecular diffusion, adsorption, and viscous flow of oil and CO2
phases in the proposed numerical model, as illustrated in Fig. 9.

The mathematical model is described as follows.

4.2.2.1. Oil mass transport in kerogen
v

vt

�
εkpr

k
ofmSko þ εks

�
1� fm � ff

�
rkado

�
þ V$

 
� rkoK

k
roKk
mo

VPko

!
¼ �qkio (4)
where the subscript k refers to the kerogen system; the subscript f
refers to the shale bedding fracture system; the subscript o refers to
the oil; εkp is the volume fraction of organic pores; fm and ff

represent the porosity of the shale matrix and bedding fractures,
respectively; Sko is the oil saturation in kerogen system; εks is the
volume fraction of organic kerogen; εksð1�fm �ff Þ is the kerogen
solid volume per unit bulk volume of shale; Kk represents the
apparent permeability of organic kerogen, m2; Kk

ro is the relative

permeability of oil in the kerogen system; rko is the oil density in the

kerogen system, kg/m3; mo is the oil viscosity, Pa$s; Pko is the pres-

sure in kerogen, MPa; qkio represents the oil flow rate between the
kerogen system and the inorganic system, kg/(m3$s).

According to the Warren-Root PSS transfer model, qkio is defined
as (Warren and Root, 1963)

qkio ¼ Sko
aKkK

k
ror

k
o

mo

�
Pko � Pio

�
(5)

where a is the shape factor, 1/m2.
Fig. 9. The flowchart of the numerical simu
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Due to the uncertainties and diversities of matrix geometry, the
shape factor is obtained fromhistorymatch and can be described as
(Kazemi et al., 1976)

a¼4

 
1
L2f ;x

þ 1
L2f ;y

þ 1
L2f ;z

!
(6)

The density of free oil in kerogen is described as
rko¼ rino eCoðPk
o�Pin

o Þ ¼ rino

h
1þCo

�
Pko � Pino

�i
(7)

where rino is the initial density of oil, kg/m3; Co is the oil
compressibility, 1/Pa.

The density of adsorbed oil in kerogen system is described as
(Langmuir, 1918)

rkado ¼ roatmrkm
Vk
LoP

k
o

Pko þ PkLo
(8)

where roatm is the oil density at atmospheric pressure, kg/m3; rkm is
the density of kerogen, kg/m3; Vk

Lo is the Langmuir volume of oil in
kerogen, which shows the maximum adsorbed volume converted
into the standard condition (273.15 K and 101.325 kPa) per unit
total grain mass, m3/kg; PkLo denotes the Langmuir pressure con-
stant of oil in kerogen system, MPa.
lation model for the shale oil reservoir.



L. Wang, G. Wu, M. Lu et al. Petroleum Science 22 (2025) 2062e2077
4.2.2.2. CO2 mass transport in kerogen
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¼ qikg
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Mg (9)
where the subscript g refers to the CO2 in the kerogen system; ckg is

the concentration of CO2 in the kerogen system, mol/m3; Pkg is the
pressure of CO2 in the kerogen system; mg is the viscosity of CO2,
Pa$s; Mg is the molar mass of CO2, kg/mol.

The equation of state to describe the concentration of CO2 in the
kerogen system is

ckg ¼
1
RT

Pkg (10)

According to the Warren-Root PSS transfer model, the interflow
rate of CO2 between the inorganic matrix system and kerogen
system is defined as (Warren and Root, 1963)

qikg ¼ Sig
aKiK i

rgr
k
g

mg

�
Pig � Pkg

�
(11)

where Sig is the saturation of CO2 in the inorganic matrix system;

K i
rg is the relative permeability of CO2 in the inorganic matrix sys-

tem; Pig is the CO2 pressure in the inorganic matrix system.
The gas transport in nanopores can be driven by pressure dif-

ference, Knudsen diffusion and surface diffusion in kerogen system.
The effective Knudsen diffusivity can be expressed as (Cao et al.,

2017)

Dk
k ¼

fk
tk

2rk
3

ffiffiffiffiffiffiffiffiffiffi
8RT
pMg

s
(12)

where tk is the tortuosity of kerogen.
CO2 is adsorbed on the kerogen surface due to the strong affinity

(Wei et al., 2016). The surface diffusion of CO2 in the kerogen is
expressed as (Zhang et al., 2015)

Dk
s ¼ Nks
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�
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(13)
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(17)
The concentration of adsorbed CO2 in the kerogen system is
described as
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ckadg ¼
rgatmrk
Mg

Vk
LgP

k
g

Pkg þ PkLg
(14)

where rgatm is the CO2 density at atmospheric pressure; rk is the

density of kerogen, kg/m3; Vk
Lg is the Langmuir volume of CO2 in the

kerogen system, which shows the maximum adsorbed gas volume
converted into the standard condition (273.15 K and 101.325 kPa)
per unit total grain mass, m3/kg; Mg is the molar mass of CO2, kg/

mole; PkLg denotes the Langmuir pressure constant of CO2 in the

kerogen system, MPa. The corresponding Langmuir parameters is
obtained from the literature (Huang et al., 2018).

4.2.3. Mass transfer model for inorganic matrix
4.2.3.1. Oil mass transport in IM

v

vt

��
1� εkp

�
fmrioS

i
o

�
�V $

 
KiK i

ror
i
o

mo

!
VPio ¼ qkio � qifo (15)

where the subscript “i” refers to the inorganic matrix system; fm is
the porosity of the shale matrix, including kerogen and inorganic
matrix; rio is the oil density in the inorganic system, kg/m3; Sio is the
oil saturation in the inorganic system; Ki represents the apparent
permeability of inorganic matrix, m2; K i

ro is the relative perme-
ability of oil in inorganic matrix system; Pio is the pressure in the

inorganic matrix system, MPa; Pfo is the pressure in shale bedding
fracture system, MPa.

The inter flow rate of oil between the bedding fracture system
and inorganic system is defined as (Warren and Root, 1963):

qifo ¼ Sio
aKiK i

ror
i
o

mo

�
Pio � Pfo

�
(16)

4.2.3.2. CO2 mass transport in IM
where εis is the portion of inorganic solid volume; εisð1�fm �ff Þ is
the inorganic matrix solid volume per unit bulk volume.
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The equation of state to describe the concentration of CO2 in
inorganic matrix system is written as

cig ¼
1
RT

Pig (18)

The density of adsorbed CO2 in inorganic matrix system is
described based on Langmuir model:

ciadg ¼
rgatmrim

Mg

V i
LgP

i
g

Pig þ PiLg
(19)

where rim is the density of inorganic matrix, kg/m3; V i
Lg is the

Langmuir volume of CO2 in inorganic matrix system, m3/kg; Pig is

the pressure of CO2 in inorganic matrix system, MPa; PiLg denotes

the Langmuir pressure constant of CO2 in inorganic matrix system,
MPa. The corresponding Langmuir parameters were obtained from
the literature (Chouikhi et al., 2019).

The inter flow rate of CO2 between the inorganic matrix and the
shale bedding fracture systems is written as

qfig ¼ Sfg
aKfK

f
rgr

f
g

mg

�
Pfg � Pig

�
(20)
4.2.4. Mass transfer model for shale bedding fracture system

4.2.4.1. Oil mass transport in BF

v

vt

�
ffr

f
oS

f
o

�
�V $

 
KfK

f
ror

f
o

mo

!
VPfo ¼ qifo (21)

where rfo the oil density of in shale bedding fracture system, kg/m3;

Sfo is the oil saturation in shale bedding fracture system.
4.2.4.2. CO2 mass transport in BF

v

vt

�
ffr

f
gS

f
g

�
�V $

 
KfK

f
rgr

f
g

mg

!
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According to the equation of state, the CO2 density is described
as

rfg ¼
Mg

RT
Pfg (23)
4.3. Initial and boundary conditions

4.3.1. Initial condition

Pfgðx; y; tÞ
���
t¼0

¼ Patm (24)

Pigðx; y; tÞ
���
t¼0

¼ Patm (25)

Pkgðx; y; tÞ
���
t¼0

¼ Patm (26)
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Sfoðx; y; tÞ
���
t¼0

¼1 (27)

Sioðx; y; tÞ
���
t¼0

¼1 (28)

Skoðx; y; tÞ
���
t¼0

¼1 (29)

where Patm is the atmospheric pressure, which is approximately
0.1 MPa.
4.3.2. Boundary condition

Pfgðx; y; tÞ
���
t¼0

¼ Pin (30)

Pfgðx; y; tÞ
���
x¼L

¼ Pout (31)

vPkg
vn

�����G¼ vPig
vn

�����G¼0 (32)

vPfg
vn

�����Gx ¼0 (33)

Sfo
���
x¼L

¼1 (34)

vSfo
vn

�����Gx ¼ vSfo
vn

�����
x¼0

¼0 (35)

vSio
vn

�����G¼ vSko
vn

�����G¼0 (36)

where G is the total boundary of the shale core 2D model; Gx is the
boundary in the x direction, which is parallel to the injection di-
rection; n is the normal direction of the outer boundary; Pin is the
CO2 injection pressure, MPa; Pout is the back pressure at the outlet,
MPa.
4.4. Constraint equations

Constraint conditions are provided below for solving the partial
differential equations.

Pc ¼ Pg � Po (37)

So þ Sg ¼ 1 (38)

Pc ¼ PeSe�
1
l (39)

Se ¼ So � Sor
1� Sor

(40)

Kro ¼ S
2þ3l
l

e (41)



Fig. 10. Comparison of the numerical simulation results of the proposed model with
the experimental oil recovery results.
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Krg ¼ð1� SeÞ2
�
1� S

2þl
l
e

�
(42)

where Se is the effective oil saturation; Pe is the non-wetting phase
entry pressure, MPa; l is related to the pore size distribution:
Table 4
Parameter estimation results for shale samples.

Sample l Kk, mD Ki, mD Sor

Shale 1 0.8 1 � 10�6 2 � 10�5 0.65
Shale 2 1.5 5 � 10�7 8 � 10�7 0.50
Shale 3 1.0 2.5 � 10�6 4 � 10�6 0.66

Fig. 11. The dynamic oil saturation of shale bedding fracture system (a, b, c) and sh
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materials with smaller variations in pore size have a larger l value.
Usually, 0. 2 � l � 3 (Reichenberger et al., 2006); Sor is the irre-
ducible oil saturation; Kro and Krg are respectively the relative
permeabilities of oil and gas; Pc is the capillary pressure, MPa.

4.5. Model solution

The unstructured grid method is used in this study to discretize
the nonlinear control equations, subdividing the shale core into
three-dimensional (3D) triangular prisms (Fig. 8). The implicit
numerical model is solved using NewtoneRaphson iteration to
ensure a stable solution (Zhang et al., 2021). The saturation levels of
CO2 and oil are computed via finite element analysis. For simplifi-
cation, the model is reduced to a two-dimensional (2D) rectangle,
where the x-axis represents the length of core, and the y-axis
corresponds to the thickness of the lamination. The mesh elements
for both the free and absorption phases range in size from 0.00375
to 1 mm. The simulation time spans from 0 to 6 h, with increments
of at steps of 0.5 h.

4.6. Model verification

The experimental results, obtained using the online NMR
technique for the cumulative oil recovery of the three shale samples
during SC-CO2 injection under 11 MPa are utilized to validate the
proposed model. A comparison between experimental data and
numerical simulation results is shown in Fig. 10. Parameters of the
εkp εks εis fm ff

0.025 0.060 0.940 0.050 0.020
0.015 0.058 0.942 0.070 0.009
0.020 0.060 0.940 0.055 0.150

ale matrix system (d, e, f), and CO2 adsorption amount in shale matrix (g, h, i).



Fig. 12. Effects of the permeability of bedding fracture system on oil recovery factors of
bedding fracture system (a) and shale matrix system (b), and the CO2 adsorption
amount in shale matrix (c).
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shale matrix and shale bedding fractures that cannot be measured
experimentally are derived by fitting the experimental data, as
shown in Table 4. The permeability of the shale matrix is found to
be 2e3 orders of magnitude lower than that of the shale bedding
fracture system. However, the porosity of the shale matrix exceeds
that of the bedding fracture system, as it mainly consists of nano-
pores, providing reservoir space for CO2 and shale oil due to its high
specific surface area (Wei et al., 2016; Hu et al., 2023).

The proposed numerical model highlights the combined
mechanisms of molecular diffusion, flow, and adsorption of oil and
2073
CO2 phases during SC-CO2 injection in shale oil reservoirs. The
distribution of oil saturation and CO2 adsorption at different time is
depicted in Fig. 11. During SC-CO2 injection, the reduction in oil
saturation primarily occurs within the shale bedding fractures,
suggesting that the bedding fractures play a critical role in both oil
storage and production (Fig. 11(a)e(c)). Furthermore, the CO2
adsorption amount in the shale matrix increases proportionally
with the expansion of the CO2 sweep distance (Fig. 11(g)e(i)).

5. Discussion

In this study, the enhancement of carbon storage capacity and
oil recovery potential in shale oil reservoirs are investigated. Three
key influencing factors are analyzed, which include the perme-
ability of the shale bedding fracture system, the volume fraction of
kerogen and organic pores, and pressure-related parameters
including SC-CO2 injection pressure, production pressure, and the
differential pressure between them.

5.1. Effect of the shale bedding fracture permeability

The shale bedding fractures are both storage space and path-
ways for mass transfer (Sun et al., 2023; He et al., 2024). Four
scenarios of bedding fracture permeability (Kf ), namely 3.24� 10�3

(base case), 6.48 � 10�3, 1.62 � 10�2, and 3.24 � 10�2 mD are
simulated to assess the impact on carbon storage capacity and oil
recovery efficiency. As shown in Fig. 12(a) and (b), the oil recovery
in both the shale bedding fracture system and shale matrix system
significantly increases with the enhancement of permeability in the
shale bedding fracture system. Specially, when Kf ¼ 3:24� 10�3

mD (base case), the oil recovery factor of the shale matrix system is
0.99%. This increases to 4.75% with Kf ¼ 3:24� 10�2 mD, which is
nearly four times higher than the base case. Additionally, the shale
bedding fracture permeability affects CO2 adsorption in the shale
matrix system. For the scenario Kf ¼ 3:24� 10�2 mD, the CO2
adsorption amount is 519.09 g/m3, however, for the scenario
Kf ¼ 3:24� 10�2 mD, the CO2 adsorption amount increases to
537.01 g/m3 (Fig. 12(c)).

5.2. Effects of the volume fraction of kerogen and organic pores

Shale oil reservoirs possess substantial capacity for carbon
storage through adsorption in the shale matrix (Kang et al., 2011;
Zhao et al., 2021). To investigate the effect of the organic kerogen
content on CO2 adsorption amount in the shale matrix, the volume
fraction of the kerogen parameter (εks) was adjusted while keeping
other parameters constant. Shale oil reservoirs typically contain
organic content ranging from 0.5 wt% to approximately 15 wt% (Li
et al., 2021). Based on the definition of εks in Eq. (43) (Zhang et al.,
2021), four scenarios of εks, namely 3%, 6% (base case), 12%, and 24%
were simulated. As shown in Fig. 13(a), the increase in εks signifi-
cantly improves the CO2 adsorption amount in the kerogen system
and decreases the adsorption amount in the inorganic matrix,
leading to a net increase in total adsorption amount in the shale
matrix, specifically 503.93, 519.09, 549.40, and 609.88 g/m3,
respectively. These results indicate that the adsorption of organic
kerogen dominates carbon storage in organic-rich shale. This may
be due to the higher affinity of kerogen for CO2 compared to clay
minerals (eg., illite, smectite), which is influenced by the chemical
composition and bonding (Tian et al., 2019).

εks ¼TOC
rrock
rk

Sf (43)

where TOC is the total organic content, wt%; rrock is the rock



Fig. 13. (a) Effect of the volume fraction of kerogen (εks) on CO2 adsorption amount in shale oil reservoir. (b) Effect of the organic porosity (εkp) on oil recovery factor.
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density, g/cm3; rk is the density of dry kerogen, 1.25 g/cm3 is
selected in this study; and Sf is the swelling factor of kerogen
saturated with hydrocarbons, Sf ¼ 1.3 in this study (Larsen and Li,
1994; Okiongbo et al., 2005; Ertas et al., 2006).

SC-CO2 is an ideal solvent for extracting oil from kerogen
(Tucker et al., 2000). Hydrocarbons in kerogen can be replaced by
CO2 when the mole fraction of CO2 in the oileCO2 mixture exceeds
a threshold value, leading to the displacement of hydrocarbons by
CO2, and thus enhancing oil recovery in shale oil reservoirs (Zhu
et al., 2018a; Zhao et al., 2021). The simulation results under four
different volume fractions of organic pores (εkp) are illustrated in
Fig. 13(b). The results demonstrate that oil recovery factors in the
matrix system significantly increase with the elevation of εkp. An
enhancement of εkp, ranging from 0.025 to 0.25, results in a sig-
nificant increase in the oil recovery factor of the shale matrix,
increasing from 7.33% to 10.03%.

5.3. Effects of the pressure-related parameters

The pressure-related parameters examined in this study include
SC-CO2 injection pressure in inlet, production pressure in outlet,
and the differential pressure between the injection pressure and
the production pressure, which is referred to differential pressure
in the following text. The effects of these parameters on carbon
storage and shale oil recovery factor were analyzed by varying the
injection and production pressures for the same sample. The nu-
merical simulation results are presented in Fig. 14. As shown in
Fig. 14(a) and (b), when the differential pressure is 5 MPa, the re-
covery factors for shale bedding fractures and the matrix systems
are significantly higher compared to when the pressure difference
is 3 MPa. Additionally, at a differential pressure of 3 MPa, the re-
covery factors are notably higher than those observed at 1 MPa.
These results indicate that as the differential pressure increases, the
recovery factors for shale bedding fractures and the matrix systems
exhibit an upward trend.

Production pressure has a significant impact on the CO2
adsorption amount in the shale matrix, as shown in Fig. 14(c). It
demonstrates that as the production pressure increases from 8 to
10 MPa, the CO2 adsorption amount significantly increases. And
under the same production pressure, an increase in injection
pressure results in a higher CO2 adsorption capacity. For instance,
when the production pressure is constant at 8 MPa, the adsorption
amount of CO2 increased only by 4.51 and 8.39 g/m3, respectively,
when the injection pressure was adjusted from 9 to 11 MPa and
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13 MPa. Therefore, the simulation results suggest that injection
pressure and pressure gradient have a relatively minor impact on
CO2 adsorption in Fig. 14(c).

In conclusion, the differential pressure is a key factor influencing
the oil recovery factor. Before gas breakthrough occurs, a high
differential pressure leads to a higher total oil recovery factor. To
achieve higher CO2 adsorption amounts in shale oil reservoirs,
establishing high production pressure is essential. This indicates
that both high production and injection pressures are necessary to
maintain high differential pressure values, which are vital for
maximizing carbon storage capacity and oil recovery efficiency.
6. Conclusions

In this study, a series of CO2 injection experiments were con-
ducted to simulate carbon storage and enhanced oil recovery,
aiming to validate the feasibility of carbon storage and oil recovery
in shale oil reservoirs with natural fractures. A multiscale-
multiphase numerical model was developed to capture the com-
plex interactions within the reservoir. The full-scale pore systems,
encompassing the kerogen system, inorganic matrix system, and
shale bedding fracture system were defined as triple-continuum
media in the model. The model integrated the mechanisms of
molecular diffusion, adsorption, and viscous flow of oil and CO2
phases to accurately represent the mass transfer processes. The
finite element method was used to numerically solve these partial
differential equations and the solutions were validated against
experimental results. Based on both experimental data and nu-
merical simulations, key properties governing multiscale and
multiphase mass transfer during CO2 injection were analyzed,
leading to the following conclusions:

(1) The nanoscale pores are the primary reservoir spaces for
both shale oil and CO2 in shale oil reservoirs. The comparison
of gaseous CO2 and supercritical CO2 injection experiments
indicates that SC-CO2 can significantly enhance oil recovery
and concurrently storage in shale matrix.

(2) Shale bedding fractures are the reservoir space for shale oil
and the key channels for mass transfer during CO2 injection.
The numerical simulation results have showed that
increasing the permeability of the bedding fracture system
causes a significant improvement in oil recovery factor and
CO2 adsorption amount.



Fig. 14. Effects of pressure on oil recovery factors of the shale matrix system (a) and
bedding fracture system (b), and the CO2 adsorption amount in the shale matrix
system (c). Notes: Pi is the injection pressure in the inlet, and Pp is the production
pressure in the outlet.
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(3) Organic kerogen has a significant impact on carbon storage
and oil recovery efficiency in the shale matrix. An increase in
kerogen content enhances CO2 adsorption capacity, and the
oil recovery efficiency improves with higher organic
porosity.

(4) CO2 adsorption capacity significantly enhances with the in-
crease in the production pressure. The higher injection
pressure can lead to higher recovery factors under the same
production pressure. High injection pressure and high
2075
production pressure are critical factors for improving
simultaneously CO2 storage and shale oil recovery.
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