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a b s t r a c t

Oil�water two-phase flow is ubiquitous in shale strata due to the existence of connate water and the
injection of fracturing fluid. In this work, we propose a relative permeability model based on a modified
Hagen�Poiseuille (HP) equation and shale reconstruction algorithm. The proposed model can consider
the nanoconfined effects (slip length and spatially varying viscosity), oil�water distribution, pore size
distribution (PSD), total organic matter content (TOC), and micro-fracture. The results show that the
increasing contact angles of organic matters (OM) and inorganic minerals (iOM) increase the relative
permeability of both oil and water. As the viscosity ratio increases, the relative permeability of oil phase
increases while that of water phase decreases, due to the different water�oil distribution. The effective
permeability of both oil and water decreases with the increasing TOC. However, the relative permeability
of water phase increases while that of oil phase decreases. The increasing number and decreasing de-
viation angle of micro-fracture increase the effective permeability of oil and water. However, micro-
fracture has a minor effect on relative permeability. Our model can help understand oil�water two-
phase flow in shale reservoirs and provide parameter characterization for reservoir numerical
simulation.
© 2022 The Authors. Publishing services by Elsevier B.V. on behalf of KeAi Communications Co. Ltd. This
is an open access article under the CC BY-NC-ND license (http://creativecommons.org/licenses/by-nc-nd/

4.0/).
1. Introduction

In recent years, shale oil has attracted tremendous attention to
offset thedecliningproduction in conventional resources (Naraghi and
Javadpour, 2015a; Cao et al., 2017). Horizontal drilling andmulti-stage
hydraulic fracturing are recognized as the most reliable techniques to
extract shale oil (Tahmasebi et al., 2015; Wang et al., 2015b). In this
process, the injectionofdrillingfluid, fracturingfluid, andtheexistence
of initial water lead to widespread oil�water two-phase flow in shale
strata. Therefore, understanding the oil�water two-phase flow
behavior is significantly important for exploiting shale oil. Relative
permeability is not only the cornerstone of production optimization,
but also a bridge betweenmicroscaleflowmechanismandmacroscale
numerical simulation. It has been proven to be a suitable tool to
characterize the complicated multiphase flow behavior in porous
media.
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There are three approaches for determining the relative
permeability (Zhang et al., 2017b; Wang et al., 2019): (1) experi-
mental measurement, (2) numerical simulation, (3) analytical
modeling. Experimental methods for measuring relative perme-
ability can be divided into two types, that is steady state method
and unsteady state method (Honarpour and Mahmood, 1988; Chen
et al., 2016). However, the ultra-low permeability and multiscale
structure of shale make the steady-state method extremely time-
consuming (Kianinejad et al., 2016). For the unsteady state
method, the pressure drop and effluent fractional flow in the
measurement process are seriously disturbed by capacity end effect
(Wang et al., 2019). Therefore, it is quite challenging and even
impossible to measure the relative permeability of unconventional
reservoirs. The numerical simulation methods, mainly including
pore-network model (Cui et al., 2019) and the Lattice Boltzmann
method (Ba et al., 2016), are powerful tools to investigate the
oil�water flow. However, these methods are also time-consuming
and difficult to quantitatively characterize the effects of physical
parameters, such as pore wall wettability (Wang et al., 2019). The
analytical modeling methods can be further divided into types:
mmunications Co. Ltd. This is an open access article under the CC BY-NC-ND license
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continuum and discrete. The continuum methods are based on the
continuum scale representation of porous media and use fractal
and other means to calculate the relative permeability. They are
computationally fast and can quantify the effects of various phys-
ical parameters. However, the influence of micro-fractures and
laminations in shale cannot be considered (Singh and Cai, 2019). By
contrast, the discrete methods rely on shale reconstruction, which
can characterize various geological controls of shale, such as pore
size distribution (PSD), total organic matter content (TOC), frac-
tures, etc. What's more, the idealized pore structure used in each
discrete cell is convenient to describe the nanoconfined effects of
fluid flow in nanopores, such as velocity slip and spatially varying
viscosity.

Two major components exist in shale rocks: organic matter
(OM) and inorganic minerals (iOM) (Naraghi et al., 2018). The pore
sizes of the two components mainly range from a few nanometers
to several hundred nanometers (Clarkson et al., 2013; Naraghi and
Javadpour, 2015b; Rafatian and Capsan, 2015), while the aperture of
microfractures in shale can reach several microns (Fig.1). Due to the
different nature of OM and iOM, the fluid flow mechanism is also
quite different. The OM is mainly composed of kerogen, which is a
typical hydrophobic component. When oil�water two-phase flow
is laminar in OM nanopores, the water phase distributes in the
center of the pores and is surrounded by the oil phase. Experiments
and molecular dynamic (MD) simulations have proved that oil
molecules have a large velocity slip on the wall of the organic pore,
such as graphene and carbon nanotubes (CNTs) (Majumder et al.,
2005; Wang et al., 2016). The slip length, defined as the distance
extrapolated from the pore wall where the tangential velocity
component disappears (Zhang et al., 2018), can reach hundreds of
nanometers, much larger than the diameter of the pore. What's
more, due to the strong oil�wall molecular interactions, an
adsorbed region with a thickness of about four molecules will be
formed near the wall, showing different density and viscosity
characteristics frombulk oil (Wang et al., 2015a). Additionally, there
is an interface region between the bulk oil and bulk water. In such
regions, oil and water maintain distinct molecular speeds, resulting
in a velocity jump, which is named liquid�liquid slip (Koplik and
Banavar, 2006; Li et al., 2019). At the same time, both the viscos-
ity and density of this region are smaller than those of bulk oil and
bulk water (Zhan et al. 2020a, 2020b). When oil and water trans-
port in the nanopores of iOM (such as quartz and clay, etc.) (Fang
et al., 2019; Zhang et al., 2019a), there is also an adsorbed region,
an interface region and two bulk phase regions, but the oil becomes
a non-wetting phase and distributes in the pore center. The
Fig. 1. SEM images of shale from Dagang Oilfield, China. The black parts represent OM,
while others are iOM.
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adsorbed region has two or three molecular layers of water
showing high viscosity, which is named ‘‘multilayer sticking”.
What's more, the slip length of water on different walls is strongly
dependent on the contact angle (Huang et al., 2008). In conclusion,
velocity slip and spatially varying viscosity defy the traditional non-
slip Hagen�Poiseuille (HeP) equation (Zhang et al., 2017a). It is
important to consider the contribution of adsorbed, interface, and
bulk regions respectively in the relative permeability calculation
(Zhan et al., 2020a).

An extensive body of literature has discussed the theoretical
calculation of fluid flow in nanopores. To calculate the water flow
rate in CNTs, Mattia and Calabr�o (2012) first divided the water into
near-wall and bulk regions. The velocity in each region obeys the
slip-modified HeP equation. Followed by, the model was
extended to the oil flow in organic and inorganic nanopores to
calculate apparent permeability (Cui et al., 2017; Zhang et al.,
2017a; Sun et al., 2019). The differences between these models
are the thickness, viscosity, and slip length of the near-wall region.
In recent years, this method has been proven to be suitable for
two-phase flow. Yiotis et al. (2007) calculated the relative
permeability by only dividing the fluid into two regions: wetting
bulk phase and non-wetting bulk phase. Cui et al. (2019) and
Singh and Cai (2019) further considered the adsorbed regionwhen
calculated the relative permeability using pore network and
discrete analytic model, respectively. To describe the velocity
jump at the interface region, Navier slip condition (Koplik and
Banavar, 2006; Zhang et al., 2017b; Fang et al., 2019) and
apparent viscosity (Wang et al., 2019; Zhan et al. 2020a, 2020b)
are usually used. The Navier slip condition can be expressed as
vslip ¼ a$t, in which vslip is the velocity difference between two
immiscible fluids that are extrapolated from their bulk phases to
the nominal interface (Fig. 2) (Fang et al., 2019); t and a are the
shear stress and Navier coefficient, respectively. The apparent
viscosity method assumes that the velocity between each region is
still continuous. Using MD simulations, Zhan et al. (2020b) deeply
studied the liquid-liquid slip of oil (simplified as octane) and
water in quartz nano-slit. They found that apparent interface
viscosity is more effective to characterize the liquid-liquid slip
because it does not change with driving force and pore size. By
dividing the oil�water flow region into four regions: adsorbed
water region, bulk water region, oil�water interface region
Fig. 2. Velocity profiles of water and decane in quartz (Fang et al., 2019). vslip is the
velocity difference between decane phase and water phase at the interface. The
interface is defined as the position where the density of decane is half of its bulk value.



Fig. 4. Eight growth directions of seed. The length of arrows indicates the relative
value of the growth probability. An isotropic structure of OM particle should set G1:4 :

G5:8 ¼ 4 (Wang et al., 2007).
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(OWIR), and bulk oil region, and applying the slip modified HeP
equation in each region, their model (P-model) is in excellent
agreement with the results of MD simulations.

In this study, based on the P-model, the oil�water flow rates in
circular nanopores and slit fractures of OM and iOM are derived
respectively in Section 2.1. Then, in Section 2.2, a discrete spatial
distribution (DSD) model of shale components (OM and iOM) is
established by Quartet Structure Generation Set (QSGS) algorithm.
What's more, the micro-fractures are also constructed in the DSD
model by the discrete fracture method. By integrating the P-Model
and DSD model, we finally get the relative permeability of the
representative elementary volume (REV) scale in Section 2.3 and
validate it in Section 2.4. Finally, in Section 3, the effect of wetta-
bility, viscosity ratio, TOC, and micro-fracture on relative perme-
ability are discussed.

2. Mathematical modeling

2.1. Oil�water two-phase flow in circular nanopore and slit micro-
fracture

In this section, we first build oil�water two-phase flow models
in pores andmicrofractures and derive the analytical expressions of
volume flux, respectively. Then we discuss the value of the pa-
rameters in the expressions based on the results of experiments,
MD simulations, and theoretical analysis.

2.1.1. Two-phase flow theoretical model
The oil�water distribution in OM/iOM pores and micro-

fractures is shown in Fig. 3. Based on the results of MD simula-
tions (Li et al., 2019; Zhan et al., 2020a) and the P-model of (Zhan
et al., 2020b). The flow spaces in pores and micro-fractures are all
divided into four regions. In the OM pore (Fig. 3(a)), the velocity in
different regions can be expressed as follows.
Fig. 3. Oil�water distribution in (a) OM pore; (b) iOM pore; (c) OM micro-fracture; (d) iOM
water region, and the oil�water interface region respectively; ho and hw are the thicknesses
H is the half aperture of micro-fracture.
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Bulk water region:

v
p;OM
wb ðrÞ¼Dp

L
R2 � r2

4mwb
þ cp;OM1 ; r2½0; hw� (1)

OWIR:

vp;OMo�w ðrÞ¼Dp
L

R2 � r2

4mo�w
þ cp;OM2 ; r2½hw; hw þ do�w� (2)

Bulk oil region:
micro-fracture. do, dw and do�w are the thicknesses of the oil adsorbed region, adsorbed
of the bulk oil region and bulk water region respectively; R is the radius of circular pore;
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v
p;OM
ob ðrÞ¼Dp

L
R2 � r2

4mob
þ cp;OM3 ; r2½hwþ do�w;R� do� (3)

Adsorbed oil region:

vp;OMon ðrÞ¼Dp
L

R2 � r2

4mon
þ cp;OM4 ; r2½R� do;R� (4)

where vp;OMwb , vp;OMo�w , v
p;OM
ob , v

p;OM
ob and mwb, mo�w, mob, mon are the ve-

locity and viscosity of bulk water, OWIR, bulk oil, and adsorbed oil

in OM pore respectively; cp;OM1 , cp;OM2 , cp;OM3 and cp;OM4 are the cor-
rected coefficients considering slip length and spatially varying

viscosity in OM pore; DpL is the externally applied pressure gradient;
r is the length from the pore center.

If the apparent viscosity method is used in the OWIR, the ve-
locity between different regions is continuous, and the boundary
conditions should satisfy:
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where los is the slip length of oil. Combing Eqs. (1)e(9), the cor-
rected coefficients are calculated and presented in Supporting In-
formation. Then the volume fluxes in each region can be obtained
by:
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where Qp;OM
wb , Qp;OM

o�w , Qp;OM
ob and Qp;OM

on are the volume fluxes of bulk
water, OWIF, bulk oil and adsorbed oil in OM pore respectively. The
corresponding total volume fluxes of oil and water can be
expressed as:

Qp;OM
o ¼Qp;OM

ob þ Qp;OM
on þ ð1� fwÞQp;OM

o�w (14)

Qp;OM
w ¼Qp;OM

wb þ fwQ
p;OM
o�w (15)

where fw is the proportion of water volume fluxes in the OWIF
volume fluxes.

According to the thickness of each region, the water saturation
in OM pore can be expressed as:

sp;OMw ¼pVwðhw þ do�wÞ2 � pVwhw
2 þ phw

2

pR2

¼Vwðhw þ do�wÞ2 þ hw
2ð1� VwÞ

R2

(16)
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where Vw is the volume proportion of water in the OWIF, which
equals 0.5 because the oil and water occupy the same volume in
OWIF (Zhan et al., 2020b). Based on similar methods, the volume
fluxes and water saturation in iOM pores and microfractures of OM
and iOM can be obtained, and the details are summarized in Sup-
porting Information.
2.1.2. Parameter value of the two-phase flow theoretical model
The value of three types of parameters should be discussed

before using the theoretical model: (1) slip length of oil and water
in adsorbed region, (2) thickness of each flow region, (3) viscosity of
each flow region.

In MD simulations, researchers usually use two models to char-
acterize OM of shale: graphene (Bui and Yucel Akkutlu, 2017; Nan
et al., 2020) and kerogen molecular model (Collell et al., 2015;
Perez and Devegowda, 2020; Yang et al., 2020). Wang et al. (2016)
studied the octane flow in graphene slit and they found that about
2e4 adsorption layers of oil molecules were formed, depending on
the slit size. What's more, they studied the slip length at different slit
sizes, driving forces and temperatures. The results show that the slip
length in the slit of several nanometers can be more than 100 nm, so
that the velocity profile deviated from parabolic to plug. The large
slip length can be attributed to the ultra-smoothness of graphene
surface (Joseph and Aluru, 2008), which is unrealistic in shale.
Although some researchers have studied the oil flow in pores
composed of real kerogen molecules (Falk et al., 2015; Liu et al.,
2020), they have not given a quantitative expression for the slip
length. Recently, Wu et al. (2019) derived the slip length of n-alkanes
transporting in nanopores based on the different mobility of the
first-layer n-alkanes and bulk n-alkanes. The results showed good
agreement with MD and experiments, and can be expressed as:

los ¼ d

�
t∞
tb

e
pð0:1265ðn�1Þþ0:46Þ2slð1�cosqoÞ

6KT �1
�

(17)

where d is the average distance between n-alkane molecules in
adjacent layers, which is about 0.5 nm; t∞

tb
is the ratio of the natural

relaxation time of bulk molecules to that of the first adsorbed
molecules on the wall, which is about 0.45 for octane in OM pores
(Gupta et al., 1994); n is the carbon numbers of n-alkanes; sl is the
surface tension of n-alkanes in vacuum, which can be obtained
from National Institute of Standards and Technology (NIST); qo is
the contact angle of oil; K and T are Boltzmann constant and
temperature, respectively.

In addition, Wu et al. (2019) gave the ratio of the viscosity of the
adsorbed oil region (do ¼ 1 nm) to the bulk oil region as:

mon
mob

¼ ti
t∞

(18)

where ti is the average natural relaxation time of the n-alkanes in
the adsorbed region, which can be expressed as:

ti ¼0:5ðt∞ þ tbÞ (19)

For the nanoconfined flow of water, the slip length can also be
expressed by the contact angle (Wu et al., 2017):

lws ¼ 0:41

ð1þ cosqwÞ2
(20)

where lws and qw are the slip length and contact angle of water,
respectively. What's more, the ratio of the viscosity of the adsorbed
water region (dw ¼ 0:7 nm) to the bulk water region can be
expressed as:
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mwn
mwb

¼ � 0:018qw þ 3:25 (21)

Based on MD simulations, Zhan et al. (2020b) found that the
thickness and viscosity of OWIR were about do�w ¼ 0:35 nm and
mo�w ¼ 0:22 mPa,s ¼ 0:29ðmob þmwbÞ respectively under a typical
reservoir condition (323 K and 20 MPa), and do not change with
driving force and pore size. However, the flux contribution of water
and oil depends on the pore size. In iOM pores the water molecules
transport slower than oil (Fig. 2), so fw should smaller than 0.5
(larger than 0.5 in OM pores). However, the fw gradually equals 0.5
with the increase in water film (i.e. dw þ hw) in quartz nano slits
(Zhan et al., 2020b). Because the minimum of water film thickness
in our model is equal to 0.7 nm, we set fw ¼ 0:5.

Now only the thickness of the bulk oil region or the bulk water
region has not been determined. Taking oil�water two-phase flow
in OM pores as an example, when there are too few water mole-
cules to cover thewall, water cannot form a continuous phase in the
pore (Li et al., 2019), so the theoretical model shown in Fig. 3(a) and
(c) is invalid. Similarly, oil molecules cannot form a continuous
phase if the number of oil molecules is not enough. Therefore, to
use the theoretical model reasonably, we assume that the thickness
range of the bulk oil region is ð0; R � do�w � do Þ, and the adsorbed
region and OWIR always exist. Therefore, according to Eq. (16), the
range of sw of an OM pore can be expressed as Eq. (22), and the
range of sw in iOM pore andmicro-fractures are listed in Supporting
Information. 
Vwðdo�wÞ2

R2
;
VwðR� doÞ2 þ ðR� do�w � doÞ2ð1� VwÞ

R2

!
(22)
2.2. The discrete spatial distribution model of shale components
and micro-fractures

QSGS (Wang et al., 2007) has been widely used to mimic the
formation of porous media because it can characterize the volume
fraction, average particle size, and particle shape of each phase. In
this study, we employ QSGS to reconstruct the shale, which begins
with a grid Lx � Ly (Lx and Ly are the grid length along the x and y
directions) merely filled with iOM. Parameters used are listed in
Table 1 and the steps are as follows:

(1) Seeding: Randomly select several cells of grid as OM seeds
based on a distribution probability pd. pd is related to the TOC
and average particle size (rOM) of OM, which can be set as:

pd ¼
LxLyTOC
KrOM2N

(23)

where K is the shape factor, and K ¼ pwhen the particle is circular;
N is the number of cells in the grid.

(2) Growth: Grow the seeds to the neighboring cells in eight
directions based on the growth probability Gi (Fig. 4).

(3) Repeating: Repeat step (2) until the fraction of OM in the
grid equals TOC.

To facilitate the investigation of the effect of fracture properties
on relative permeability in Section 3.5. In this study, without losing
generality, we set the length, aperture, and orientation of different
micro-fractures to the same value (Table 1). For a specific shale,
these properties can be extracted from SEM images (Feng et al.,



Table 1
Basic parameters used in our model.

Parameters Symbol Value

Grid size Lx � Ly 150 mm � 150 mm
Cell numbers N 150 � 150
Total organic carbon content TOC 0.2
The average particle size of OM rOM 16 mm
Directional growth probability Gi G1:4 : G5:8 ¼ 4
Micro-fracture orientation b 30�

Micro-fracture length lf 30 mm
Micro-fracture number nf 3
Micro-fracture aperture H 0.15 mm
Pore size distribution PSD OM: m ¼ 3:4012; s ¼ 0:3 iOM: m ¼ 2:326; s ¼ 0:3
Porosity 4 0.1
Tortuosity t 1
Contact angle qo or qw qw ¼ 60�; qo ¼ 60�

Slip length of oil los 0:225e4ð1�cosqoÞ � 0:5
Slip length of water lws lws ¼ 0:41

ð1þ cosqwÞ2
Thickness of adsorbed region do or dw do ¼ 1 nm; dw ¼ 0:7 nm
Thickness of OWIR do�w 0.35 nm
Viscosity of bulk water mwb 0.8 mPa s
Oil�water viscosity ratio M 1
Viscosity of adsorbed phase mon or mwn mon ¼ 1:61mob

mwn ¼ ð � 0:018qw þ 3:25Þmwb
Viscosity of OWIR mo�w 0:29ðmob þ mwbÞ
Water fluxes proportion in OWIF fw 0.5

Fig. 5. DSD model of shale components and micro-fractures. The dark red, dark blue,
bright yellow, and white parts represent OM, iOM, micro-fractures in OM, and micro-
fractures in iOM respectively.
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2019) or calculated by the probability distribution function (PDF)
(Neuman, 2008; Sun et al., 2016). The steps of generating micro-
fractures in the grid are similar to the QSGS algorithm.

1) Randomly select a cell as a fracture seed, and grow it along the
given direction (b) until the length in the grid is equal to the
given length (lf ).

2) Repeat step (1) until the number of micro-fracture in the grid
equals the given number (nf ).

Fig. 5 shows the DSD model generated based on the parameters
listed in Table 1.
2.3. Relative permeability of REV scale

The range of pore sizes within the OM is usually an order of
1158
magnitude smaller than that of iOM, causing a bimodal PSD
(Naraghi and Javadpour, 2015a). Therefore, the logarithmic normal
distribution with different logarithmic means and logarithmic
standard deviations can be used to characterize the pore size in OM
and iOM, respectively, which can be expressed as (Zhang et al.,
2019b):

f ðRÞ¼ 1
R
ffiffiffiffiffiffiffi
2p

p
s
exp

"
� 1
2

�
lnR� m

s

�2
#

(24)

where s and m are the logarithmic standard deviation and loga-
rithmic mean, respectively.

The cells of DSD model can be divided into four types: OM pore
cell, iOM pore cell, OM micro-fracture cell, and iOM micro-fracture
cell. To characterize the PSD (Eq. (24)) of shale, the Monte Carlo
sampling method is used to assign a pore size into each cell. Then,
based on the two-phase flow theoretical model (Section 2.1) and
capillary bundle model, we can calculate the effective permeability
of oil and water in each cell. Taking an OM pore cell as an example,
the total volume fluxes of oil and water in a cell can be expressed
as:

Qp;OM
o�t ¼NcQ

p;OM
o (25)

Qp;OM
w�t ¼NcQ

p;OM
w (26)

where Qp;OM
o�t and Qp;OM

w�t are the total volume fluxes of oil and water
in OM cell, respectively; Nc is the number of capillaries in the cell.
According to Darcy's law, the volumetric fluxes can also be given
by:

Qp;OM
o�t ¼ kp;OMo A

mob

Dp
L

(27)

Qp;OM
w�t ¼ kp;OMw A

mwb

Dp
L

(28)



Fig. 6. Relative permeability of oil and water obtained by theoretical models (qw ¼ 30
�
;

mwb ¼ 0:8 mPa s).M is the ratio of bulk oil viscosity to bulk water viscosity. Only one set
of water relative permeability curves is shown since it is independent of M. The solid
lines are the results of our model, while the circles are calculated by Wang's model.

Fig. 7. Relative permeability of oil and water obtained by theoretical models and
experiment (qw ¼ 30

�
; mwb ¼ 0:8 mPa s; M ¼ 0:3). The blue and red solid lines are

based on the parameters of Table 2, while the green solid lines are based on Table 1.
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where kp;OMo and kp;OMw are the effective permeability of oil and
water; A is the cross-sectional area of the cell. Combing Eq. (25) to

Eq. (28) and consider the tortuosity, kp;OMo and kp;OMw can be
expressed as:

kp;OMo ¼ fQp;OM
o mob
tpR2

L
Dp

(29)

kp;OMw ¼ fQp;OM
w mwb

tpR2
L
Dp

(30)

where t is the tortuosity; f is the porosity, which can be written as:

f ¼ NcpR2

A
(31)

Similarly, the intrinsic permeability of a pore cell can be
expressed as:

kin ¼ fR2

8t
(32)

Intrinsic permeability and effective permeability of oil and wa-
ter in other types of cells are summarized in Supporting Informa-
tion. After determining the effective and intrinsic permeability in
each cell, the single-phase upscaling module in MATLAB Reservoir
Simulation Toolbox (MRST) is used to upscale them respectively
(Lie, 2019). Then the relative permeability of the REV scale can be
expressed as:

kro�REV ¼
ko�REV

kin�REV
(33)

krw�REV ¼
kw�REV

kin�REV
(34)

where kro�REV and krw�REV are the relative permeability of oil and
water in the REV scale, respectively; ko�REV, kw�REV are the effective
permeability of oil and water in the REV scale, respectively; kin�REV
is the intrinsic permeability in the REV scale.

It should also be noted that according to Eq. (22), the range of
water saturation is different because of the different pore sizes in
each cell. In the following sections, when we calculate the relative
permeability, we assume that each cell has the same water satu-
ration, but if a given saturation is less than the lower limit of
saturation in the cell, then the saturation is set as the lower satu-
ration limit, and vice versa.
Table 2
Basic parameters used in the model of Wang et al. (2019).

Parameters Symbol Value

Pore size distribution PSD iOM: m ¼ 2:327; s ¼ 0:158
Tortuosity t 1
Contact angle qw qw ¼ 30�

Slip length of water lws lws ¼ 6

ð1þ cosqwÞ2
Thickness of adsorbed region dw 0.7 nm
Thickness of OWIR do�w 0.35 nm
Viscosity of bulk water mwb 0.8 mPa s
Oil�water viscosity ratio M 0.3
Viscosity of adsorbed phase mwn ð � 0:018qw þ 3:25Þmwb
Viscosity of OWIR mo�w 0:5ðmob þ mwbÞ
Water fluxes proportion in OWIF fw 0.5
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2.4. Model validation

Wang et al. (2019) constructed a relative permeability theoretical
model of oil�water two-phase flow in iOM based on continuum
method. However, OMpores andmicro-fractures are not considered.
Therefore, we simplify our model by setting TOC ¼ 0 and nf ¼ 0 for
validation. The parameters used are listed in Table 2. It can be seen
from the Fig. 6 that, compared with the results of Wang et al. (2019),
ourmodel slightly underestimates the relative permeability ofwater,
while overestimates the relative permeability of oil. To further vali-
date our model, we compared the results of our and Wang's models
with the experimental data (Oak, 1990). As shown in Fig. 7, with the
same parameters of Wang et al., our model are in better agreement
with the experiment. What's more, if the parameters in Table 1 are
used, the fitting accuracy will be higher. Therefore, the evaluation of
relative permeability by our model is reliable.

The difference between the blue and red solid lines in Fig. 7 may
be due to theway of upscaling relative permeability to the REV scale.
The upscaling method used inWang et al. (2019) is one-dimensional
(1D), which only considers the permeability difference perpendic-
ular to the fluid flow direction. However, the grid constructed in
Section 2.2 is 2D, which the permeability difference parallel to the
fluid flow direction can also be considered.We further construct two



Fig. 8. (a) Relative permeability of oil and water obtained by 2D model and 3D models;
(b) Grid with 50 � 50 � 9 cells; (c) Grid with 150 � 150 � 3 cells. The dark red parts in
(b) and (c) represent OM, while others represent iOM. The TOC ¼ 0:2 in (b) and (c),
while TOC ¼ 0 in (a).
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3D grids to compare the results between them and the cell number
are 50� 50� 9 (Fig. 8(b)) and 150� 150� 3 (Fig. 8(c)), respectively.
As shown in Fig. 8(a), the difference in calculation results can be
ignored completely. Therefore, the 2D model is more suitable due to
its low computational cost.
3. Results and discussion

In this section, firstly, the influence of nanoconfined effects (slip
length and spatially varying viscosity) (Wu et al., 2017) onwater-oil
1160
two-phase flow in a single nanopore are elaborated. Then, we study
the effects of wettability, viscosity ratio, TOC as well as micro-
fracture on relative permeability. All the used parameters are lis-
ted in Table 1, unless otherwise specified.

3.1. Nanoconfined effects in single nanopore

Given the similar expression of fluid flux in pores and fractures,
we only take pores as an example to analyze the influence of
nanoconfined effects based on the enhancement factor:

ε¼ Qti
Qti�NO

(35)

where ε is the enhancement factor; Qti and Qti�NO are the fluid flux
considering and ignoring nanoconfined effects, respectively; i ¼ o;
w represent the oil and water phase, respectively.

As shown in Fig. 9, both the slip length and OWIR apparent
viscosity can strengthen the fluid flux, while the viscosity of
adsorbed regions weakens the fluid flux. In OM nanopores, the
effects of slip length and OWIR apparent viscosity are larger than
the adsorbed oil viscosity, resulting ε>1 (Red lines in Fig. 9(a)).
However, in iOM nanopores, the great adsorbed water viscosity
strongly decreases the fluid flux, resulting ε<1 (Red lines in
Fig. 9(b)). The relative permeability curves shown in Fig. 10 in-
dicates that shale is more hydrophilic in this case. As shown in the
figure, the water saturation at the point of equal relative perme-
ability is greater than 0.5. Two reasons can account for this. Firstly,
the ε of oil phase is all larger than that of water phase. Secondly,
although the water content (defined as the ratio of water flux to
total fluid flux) of OM pores is greater than 0.5, the TOC is only 0.2,
which limits the contribution of organic pores to relative perme-
ability. In Section 3.4 we further discuss the effect of TOC on relative
permeability.

Fig. 10 also shows the relative permeability curves with different
PSD of iOM (OM results are similar). It can be reasonably inferred
from Fig. 9 (b) that the increase of average pore size will reduce the
relative permeability of oil phase and increase that of water phase.
This is because the enhancement factor of water phase in a single
nanopore increases faster with the increase of pore size.

3.2. Effects of wettability

The slip length and viscosity of the adsorbed regions are closely
related to the contact angle. Therefore, it is attractive to investigate
the influence of contact angle. In general, the OM is oil-wet while
iOM is water-wet, so we calculated the relative permeability when
contact angles are equal to 30�, 60�, and 90�, respectively. The in-
crease in contact angle leads to the larger slip length and the
smaller viscosity in the adsorbed regions, thus leading to the in-
crease in effective permeability, while the intrinsic permeability of
shale has nothing independent of contact angle. Therefore, with the
increase in contact angle, both the relative permeability and
effective permeability of oil phase and water phase increase as
shown in Fig. 11.

3.3. Effects of viscosity ratio

The viscosity of shale oil varies greatly between different shale
reservoirs and even within the same reservoir. Therefore, we study
how the relative permeability changes with the oil�water viscosity
ratio. As shown in Fig. 12, the relative permeability of oil phase
increases with the increase in viscosity ratio and even can be larger
than 1when the ratio equals 2. This phenomenon is consistent with
the conclusions ofWang et al. (2019) and Yiotis et al. (2007) and can



Fig. 9. Enhancement factor and water content considering different nanoconfined effects in OM (a) and iOM (b) nanopores (Sw ¼ 0:5). For enhancement factor curves, the solid
lines represent water phase, while the dashed lines represent oil phase.

Fig. 10. Relative permeability curves with different PSD of iOM.
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be explained as the “lubrication” effect of water and TOC. In iOM
pores, when the viscosity of water is lower than that of oil, it acts as
a “lubricating film”, which enhances the flux of oil. Details expla-
nation can be found in the work of Wang et al. (2019). However, the
water phase distributes in the center of pores in OM. A higher oil
viscosity will impede the mobility of water. Therefore, as the
Fig. 11. (a) Relative permeability curves with different contact angles; (b) Effective p
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viscosity increases, the relative permeability of water phase de-
creases. This phenomenon is dramatically different from the con-
clusions of Wang et al. (2019). In their study, the relative
permeability of water phase is independent of viscosity ratio in
reservoir composed only of iOM. This can be accounted for the Eqs.
(S11) and (S12) in Supporting Information, the water flux in
adsorbed region and bulk water region is independent of oil vis-
cosity. Although the oil viscosity can affect the apparent viscosity of
OWIR, the effect is very limited, as shown in Fig. 9 (b).

3.4. Effects of TOC

The TOC is also various in different shale plays. For example, TOC
in the lower and upper members of Bakken shale can be as high as
36%, while that of the middle member is less than 1% (Tran et al.,
2011). Fig. 13 shows the relationship between TOC and relative
permeability, as well as the effective permeability. From Fig. 13(a),
We can find that the increase in TOC decreases the effective
permeability of both oil and water. This is because the pore size of
OM is smaller than that of iOM, which impedes the flow of oil and
water. However, the decrease in effective permeability of water
phase is smaller than that of oil phase. Based on Fig. 9, the water
content of OM is larger than that of iOM, which can make up for the
decrease in effective permeability to some extent. In Fig. 13(b),
however, the relative permeability of oil and water shows different
trends. This is easy to understand, because the smaller pore size in
ermeability curves with different contact angles. We set qw ¼ qo in this section.



Fig. 12. Relative permeability curves with different oil�water viscosity ratios (mwb ¼
0:8 mPa$s).
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OM also decreases the intrinsic permeability, while the increase in
water content only increases the effective permeability of water but
decreases the effective permeability of oil. Therefore, based on Eqs.
(33) and (34), the relative permeability of water phase increases
while that of oil phase decreases.
Fig. 13. (a) Relative permeability curves with different TOC values

Fig. 14. (a) Relative permeability curves with different micro-fracture orientation; (b) Effecti
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3.5. Effects of micro-fracture

Fig. 14 and Fig. 15 show the effect of micro-fracture orientation
and number on relative permeability and effective permeability.
With the increase in b, the orientation of micro-fractures gradually
perpendicular to the flow direction (i.e., x direction), the effective
permeability of oil and water will decrease as shown in Fig.14(b). In
contrast, the increase in micro-fracture number increases the
effective permeability of oil and water as shown in Fig. 15(b), which
is due to the larger intrinsic permeability (Eq. (S61)) than nano-
pores. However, it can be seen from Figs. 14(a) and Fig. 15(a) that
the orientation and number of micro-fractures both have minor
effects on the relative permeability. This is because these two pa-
rameters will affect intrinsic permeability and effective perme-
ability at the same time. According to Eqs. (33) and (34), the
influences cancel each other out in the calculation of relative
permeability. Therefore, in the calculation of relative permeability,
the effect of micro-fractures can be ignored for simplification.
4. Conclusions

In this work, a model for oil�water two-phase flow in single
nanopore and micro-fracture of OM and iOM is established by
dividing the flow region into adsorbed region, bulk water region,
OWIR and bulk oil region. Then we build a discrete spatial
; (b) Effective permeability curves with different TOC values.

ve permeability curves with micro-fracture orientation. The micro-fracture number is 3.



Fig. 15. (a) Relative permeability curves with different micro-fracture numbers; (b) Effective permeability curves with different micro-fracture numbers. b ¼ 30� .
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distribution model of OM, iOM and micro-fractures using the QSGS
algorithm. The REV-scale relative permeability model is finally
established by integrating these two models. The main conclusions
are as follows:

(1) The increase in contact angle in OM and iOM increases the
effective permeability and relative permeability of both oil
and water. This is because a larger contact angle results in a
larger slip length and smaller viscosity of adsorbed regions.

(2) Different from traditional reservoirs, shale is a dual-wet
porous medium. The viscosity ratio of bulk oil to bulk wa-
ter increases, the relative permeability of water phase in-
creases, while that of oil phase decreases due to the different
water�oil distribution between OM and iOM.

(3) With the increase in TOC, the effective permeability of both
oil and water decreases. However, the relative permeability
of water increases while that of oil decreases. This is because
the OM is hydrophobic, water distributes in the center of
pores, resulting in larger water content compared with iOM
pores.

(4) Although the micro-fractures can change the effective
permeability of oil and water, they have minor effects on
relative permeability. Therefore, the micro-fractures can be
ignored when calculating relative permeability.
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